Low permeability gas reservoirs often exhibit high resistivity and low initial water saturations. Reservoirs of this type may also be susceptible to problems associated with the retention of water or hydrocarbon based drilling and completion fluids, as well as the accumulation of hydrocarbon liquids from the production of rich retrograde gas systems. These phenomena are referred to as aqueous and hydrocarbon phase trapping and have been extensively discussed in the literature as a major source of reduced productivity in low permeability gas reservoirs. This paper briefly describes specific laboratory procedures which have been developed to diagnose problems with phase trapping for given reservoir applications. This allows for the selection of the optimum drilling and completion fluids and practices prior to the costly execution of a potentially ineffective or damaging treatment in the reservoir. Specific examples of tests results and detailed protocols based on extensive testing and refinement of lab procedures are presented.
Introduction
Phase trapping or adverse relative permeability effects has been discussed extensively in the literature (Refs. 1 to 13) from both a theoretical and field production perspective. This mechanism of formation damage is becoming increasingly recognized as a significant issue in the reduced productivity of low permeability gas wells, and may occur in a number of different areas during drilling and completion operations and subsequent production operations. Most notably, with respect to low permeability gas reservoirs, the areas which are often evaluated on an experimental design basis include: 1. Water-based phase trapping 2. Oil-based phase trapping 3. Retrograde condensate dropout trapping and removal.
Water-Based Phase Trapping (Water Blocking, Aqueous Phase Trapping)
Due to the relative preponderance of water-based fluids that are used as drilling and completion media on a worldwide basis, this particular type of phase trap tends to be more common in most situations, and a considerable effort has been made to diagnose and evaluate its effect.
Water-based phase trapping occurs when a water-based fluid is introduced into the reservoir matrix in the region surrounding the wellbore (or in certain situations a natural or induced fracture face), and a portion of this fluid in retained in the rock matrix upon commencing production (or in some cases when initiating injection). The severity of a water trap is highly influenced by: S Initial fluid saturations in the reservoir S Rock wettability S Pore system geometry S Fluid type, composition and interfacial tension S Fluid vapor pressure and partial pressure S Depth of invasion of fluid into formation S Available drawdown pressure and gradient for fluid recovery
In attempting to evaluate the potential severity of a water block for a proposed drilling or completion fluid/operation, one tries to duplicate the combination of expected downhole conditions as precisely as possible to include all or most of the parameters described above in the test evaluation.
Proper determination of the initial water saturation is essential to accurately ascertain the impact of water-based phase trapping on permeability to oil or gas after an invading waterbased filtrate contacts the formation matrix. Typically, accurate induction log readings or specially designed oil-based coring or traced water-based coring programs are used to obtain these saturations. Many times the "irreducible" water saturation, which is obtained from a conventional water-gas drainage capillary pressure test, is confused with the "initial" water saturation which exists in the reservoir. Due to desiccation effects in many low permeability gas reservoirs, the initial water saturation is often substantially lower than the classic irreducible water saturation for the porous media under consideration. This can be particularly misleading in this set of circumstances as the "irreducible" water saturation is achieved from most conventional desaturation techniques used on core samples in a laboratory setting. These include: a. Centrifuge desaturation methods (primary/secondary drainage). b. Porous plate desaturation methods (primary/secondary drainage). c. Direct displacement techniques (primary or secondary drainage). d. Interpretation from synthetic air-brine or oil-water capillary pressure curve data computed from high pressure mercury injection capillary pressure tests.
It can be seen that in all of the above situations, one starts with a sample of porous media which is 100% saturated with the initial wetting phase (water in this case). Irrespective of the type of desaturation technique used, unless extreme capillary gradients are applied (which are impractical/impossible to apply using the techniques (a-c) above without damaging the samples under consideration due to sample integrity or technical considerations), the water saturation obtained will be near the "irreducible" value dictated by the capillary pressure curve for the porous media under consideration. This is illustrated in Fig.  1 . If the reservoir exists in a subirreducibly saturated or desiccated initial condition, one can observe that the desired water saturation (point "A" on Figure 1 ) will not be achieved, but will instead have a sample which is at the significantly higher irreducible water saturation "B". This problem has long been recognized with restoring core samples to correct initial water saturation conditions. A comparison of the estimated initial water saturation in the reservoir (using logs or other techniques described in the preceding sections) can be compared to the estimated irreducible water saturation for typical reservoir rock as determined by one of the above mentioned desaturation techniques. If a significant difference between the two values is present, a modified procedure for initial saturation institution prior to testing must be considered.
The problem with water-based phase trapping effects associated with the use of too high of an initial water saturation can be easily seen by transposing the saturation endpoints of Figure 1 into relative permeability form, as illustrated in Fig.  2 . Examination of Figure 2 shows that, depending on the specific geometry of the relative permeability curve under consideration for the rock, using the much higher "irreducible" water saturation at point "B" may yield a substantially lower initial "undamaged" reference permeability to gas or oil than would have been observed if the correct "true" initial water saturation had been instituted in the porous media (point "A"). If a phase trap test is subsequently conducted using that sample with the artificially high initial water saturation at point "B", the overall final increase in water saturation to point "C" (after the phase trap test is completed) may be relatively small. Therefore, the resulting difference in permeability between point "B" and "C" may be slight, leading one to believe that problems with water trapping may not be significant. In reality, one can observe in Figure 2 that if the correct initial water saturation at point "A" had been used, the true reduction in permeability (between point "A" and "C") is substantial.
As a portion of this work, the author has refined a technique known as "the fixed initial saturation technique" having the following advantages over the aforementioned techniques: S any saturation desired can be precisely placed and uniformly dispersed in any sample S actual formation water can be used S excessive pressure gradients and sample disturbance are not required
The methodology consists of the following: 1. Determine desired water saturation in core (logs, traced core, etc). 2. Clean core sample to be tested (azeotropic blend of chloroform and methanol is the most common recommended technique). 3. Measure precise pore volume of sample (via helium expansion). 4. Measure precise dry mass of sample. 5. Synthesize or filter actual samples of produced water, measure density of produced water. 6. Calculate required mass of water to be placed in sample to yield the correct initial water saturation (based on pore volume, brine density and required saturation), using the formula:
(Mass with S wi -Mass clean and dry) =(Desired S wi (fraction)) ..........(1) *(Pore Volume-cc)*(Brine Density-g/cc)
7. Wet a porous fiber plate with formation water. Roll the sample on the fibre plate to uniformly wet all exterior surfaces of the sample. Continue process until sufficient water has imbibed into the sample to bring the mass up to the point where the desired volume of water has been imbibed into the matrix (this process may be more timeconsuming for high water saturations or very low permeability samples, but works in almost all cases). 8. Use a viton sleeve in a quick mount core cell (designed to allow mounting of a sample in less than 30 seconds). Apply nominal (3500 kPa) overburden pressure. 9. Pressure pulse sample in both directions with humidified nitrogen (saturated with water vapor to avoid desiccation of the water saturation placed in the core) to uniformly disperse the water saturation in the sample. 10.Recheck final mass to ensure that water saturation is correct, adjust if required. 11.Store in a constant humidified environment until ready for testing.
A common question has arisen in the validity of this technique with respect to the uniformity of the saturation profiles that are obtained within the core material. Saturation gradients in samples subjected to desaturation in centrifuges or via direct displacement techniques are common due to the capillary outlet effect associated with the transition from a confined porous media to an open void space at the production end of the core sample (or due to a non-linear capillary pressure gradient applied in the centrifuge test). Capillary imbibition is a very strong mechanism for the imbibition of the water saturation into the initial dry core material, and the selective imbibition of the water into the smallest micropores by natural capillary action mimics the proper location of this water in the microporosity in an equivalent fashion to that observed in the reservoir. The humidified gas pulses serve to hasten the imbibition and dispersion process.
To verify that this process results in uniform saturations, considerable work was conducted on a variety of samples using sodium iodide traced brines, followed by magnetic resonance imaging to show the location of the water saturation within the pore system. Illustrations of samples ranging in permeability from 50 to 300 mD and fixed with 19% initial water saturations are shown in Figs. 3 and 4 .
The traced brine system is characterized by the white/light portions illustrated in Figures 3 and 4 which provides an excellent illustration of the uniform nature of the dispersed water saturation throughout the pore system. This technique is recommended in any situation where the initial water saturation is known to be near or less than the expected water saturation from a conventional water-gas desaturation capillary pressure experiment.
Basic Phase Trapping Test Procedure (Water-Based Fluids).
If it is thought that the potential for a phase trap exists in a porous media, the quickest technique used on a diagnostic basis is to conduct what is commonly referred to as a "basic water trapping test". The purpose of this procedure is to use actual samples of representative porous media from the reservoir under consideration to evaluate the potential for permanent or transient retention of water-based fluids which may invade during drilling or completion operations. The following test procedure is generally employed in conducting a basic phase trap test (using water). 1. Select core material from the target formation representative of the average to better permeability and porosity pay expected to be penetrated by the proposed well/completion. This evaluation needs to be based on a weighted permeability pay evaluation for the reservoir to determine the portion of the penetrated pay from which the majority of the produced gas will be sourced. This is generally weighted in most cases (unless very poor quality, uniform pay is encountered) to the better quality sections of the reservoir matrix, as they both sustain the greatest degree of invasion and also represent the feed source for the majority of the potential fluid production. Care must be taken to avoid anomalously high permeability streaks which may be of a localized or lenticular nature, as these likely do not represent in most cases the majority of the reservoir pay and flow capacity and may lead one to underestimate the potential for phase trapping if the entire test program is weighted towards this rock type. If significant variations in reservoir quality are apparent in the target zone (as can be evaluated by a statistical analysis such as a Dykstra-Parsons or Lorenz Coefficient evaluation of a statistical sampling of offset wells), it may be advisable to test multiple samples representing a range of the potential rock qualities that will be encountered. These procedures are for uniform intercrystalline sandstone or carbonate formations. In most applications, the plugs used are drilled horizontally from vertical full diameter core material (parallel to any bedding planes in the direction of maximum permeability). The rationale behind this is that, in either a vertical or horizontal well completion, the greatest degree of invasion (and maximum degree of fluid flow) will be in the streamlines of highest permeability which are, in almost all cases, parallel to the natural bedding planes of the reservoir rock. Although vertical samples or full diameter samples can be used directly, the direction of fluid flow in this case is parallel to the bedding planes, and effective permeability may be substantially reduced from what is actually present on a more macroscopic scale in the reservoir where natural flow along the higher conductivity channels in the reservoir rock will be apparent. Plugs should generally be cut using a formation compatible fluid which will not affect or disrupt any clay structures which may be present in the rock. Best choices include formation brine, inhibited brines (such as KCl or C a Cl 2 or non-polar refined oils or uncontaminated reservoir dead crude oil). Fresh or low salinity water and high pH brines should be avoided, particularly for clastic formations which may have a greater abundance of potentially reactive clay materials. 2. Clean samples (if required) to remove any residual salts and oxidized hydrocarbons. In general, an azeotropic low boiling point (53EC) mixture of 87.6% by mass chloroform and 12.4% by mass methanol is recommended for this procedure, followed by a constant humidity drying process to retain water of hydration in any natural clays that are present in the sample matrix. 3. Measure uncorrected air permeability and helium expansion (Boyles' Law) porosity and pore volume on the sample. Based on these measurements, select the samples which represent the reservoir quality for testing. 4. Follow the fixed water saturation institution and restoration/aging procedures (oil reservoir) as described in the preceding sections. 5. Mount the test sample in the phase trapping apparatus as illustrated in Fig. 5 . This consists of a uniaxial or biaxial confining cell capable of applying representative reservoir confining stress to the core sample under consideration. This cell is contained in a temperature controlled oven allowing duplication of proper bottomhole temperature conditions. A backpressure regulator can be used if desired to maintain reservoir pore pressure conditions. Displacement of liquids is conducted using a pulsation-free positive displacement pump. Differential pressure is measured using a digital quartz strain gauge transducer system capable of operating over a pressure range of 0.01 to 70,000 kPa with 0.01% accuracy. Photographic illustrations of typical system components appear as Fig. 6 (a positive displacement pulsation-free digital displacement pumping system), Fig. 7 (a typical core barrel), and Fig. 8 (a typical complete integrated system). 6. Measure baseline permeability to gas at a range of flow gradients corresponding to the range of expected maximum differential drawdown gradients which can be applied in the reservoir. This procedure will be discussed in detail in the following section. 7. In the reverse flow direction to the original permeability measurements, inject approximately 3 pore volumes (at a low displacement rate to simulate filtrate invasion effects and to avoid introducing additional problems with secondary damage mechanisms such as fines migration) of the waterbased filtrate from the phase trapping fluid (i.e. mud filtrate, completion fluid, etc.). The filtrate should be solids free (pressed through a 0.2-0.5 micron nominal filter system) but should contain all chemical additives and constituents that would be present in the actual filtrate used in the reservoir. Unless an immediate cleanup phase is contemplated in the reservoir, a minimum 24 hour static shut-in time with the filtrate exposed to the formation is recommended. 8. Reverse the flow direction (back to that used for the initial baseline permeability measurements used in step 6) and remeasure the permeability to gas or oil at the same applied pressure gradients as used for the initial measurements. This will provide comparative data at each drawdown step. For many phase trap tests (as will be illustrated), a certain threshold pressure must be applied to allow gas to intrude initially into the invaded zone in the near wellbore region. This pressure is of particular interest, as below this value, invaded filtrate cannot be mobilized and there is a zero effective permeability to gas in the affected region of the reservoir. More details on threshold regain permeability procedures follow. 9. Track all volumes of produced water from the sample during this procedure. This will allow a back calculation of the average water saturation in the sample at each drawdown pressure condition. If gas is in use, water of condensation from the gas which condenses as temperature in the multiphase separator is reduced and must be subtracted from these produced fluid volumes. 10.If no additional stimulation or evaluation work is required at this time, the sample can be shut-in, cooled, dismounted and subjected to mass analysis (if only water-based filtrates are present in the sample), or to Dean Stark analysis to determine the value of the final oil and water saturations and the degree of increase in the trapped water saturation. 11.The pre-and post-test permeability values can be compared with each other over the range of expected drawdown pressures, adjusted for expected invasion depth (as will be discussed shortly) to evaluate if phase trapping of waterbased filtrates appears to be a severe issue for the reservoir porous media under consideration.
Threshold Baseline and Regain Permeability Measurements.
Since phase trapping is directly motivated by capillary pressure effects, the amount of applied pressure differential gradient influences the apparent instantaneous capillary pressure value at a given point in the reservoir and hence alters the value of the residual trapped fluid saturation. This is obvious from the basic configuration of any capillary pressure curve and indicates that the greater the applied drawdown pressure and therefore the capillary gradient, the lower the residual water saturation that will be obtained. This is why in cases of significant water losses, high pressure drawdown gradients are often used to attempt to recover as much of the trapped water from the formation as possible. Although this technique may be efficacious for higher permeability rocks or normally saturated reservoir porous media, where the initial water saturation is similar to the "irreducible value", it is evident that even high pressure drawdowns, particularly in cases where there is a substantial difference between the "initial" and the "trapped" water saturation will still result in an increase in the value of the trapped water saturation over the initial value. This is illustrated using a typical low permeability capillary pressure profile from a sandstone sample of approximately 0.1 mD in Fig. 9 . Another artifact of lab scale tests that can complicate the analysis of phase trap test results is the fact that the test samples used in the lab are generally small plug samples, usually 2.54 to 3.81 cm in diameter with a maximum length of 4-7 cm. In some cases, multiple plugs of similar properties and lithologies are stacked together with porous paper between the plugs to ensure capillary continuity between the samples to simulate longer core stacks. In most cases though, for both cost and in many situations a lack of sufficient volumes of representative reservoir core material, single plugs are used.
It can be seen that, as illustrated in Fig. 10 , a single plug approximates only a very small portion of the near wellbore region. In conditions of typical fluid loss and invasion, it is possible that the cylinder of invaded filtrate from the drilling or completion fluid may extend a considerable distance into the formation. For example, for a 10 cm wellbore radius in a system with 17% porosity and an existing 25% initial fluid saturation, losses of 2 m 3 of drilling fluid filtrate in a 5 m thick interval would result (if the zone is perfectly uniform) in an invasion depth of almost 90 cm radially around the wellbore. This can be calculated for any uniform radial invasion situation using the formula: Ri = ((Vl)/(πLφ(1-Simm)) + (Rw**2))**0.5 -Rw .... (2) When a drawdown pressure is applied across a short core plug sample in the lab, the capability exists to apply extreme pressure differentials relatively easily (70,000 kPa could be applied with the equipment used in this study). At these extreme drawdown gradients, applied over the length of the sample, one can see that large reductions in residual water saturation may be obtained by the simple virtue of the shear magnitude of the size of the pressure gradient applied. However, on a field basis, such a situation would only exist if: a. we had a total filtrate invasion depth equal to or less than the length of our test sample. b. Initial reservoir pressure was 70,000 kPa (extremely unusual). c. We could apply an AOF drawdown of 100% on an instantaneous basis (virtually impossible on a field scale). It can be seen that, in reality, the drawdown that can effectively be applied to the filtrate invaded zone surrounding the wellbore will be dispersed, both by the transient effects associated with the drawdown operation and the flowing gradient imposed by the ultimate pressure differential between the final flowing bottomhole pressure and the equilibrium feed pressure coming into the depleting region surrounding the wellbore. This effect is further complicated by the impairing effect of the fluid saturation surrounding the wellbore, which may cause a highly non-uniform pressure gradient in the near wellbore region.
The ultimate objective of this work is to attempt to relate the results of the lab scale tests back to some reasonable approximation of field conditions during a cleanup operation. Since the actual depth of invasion is largely unknown in most cases (due to operational issues, reservoir heterogeneity and fluid property variations) until field operations have been completed, it is useful to have some technique that allows evaluation of the relative severity of the phase trapping effects over the range of possible conditions expected to be encountered in the reservoir. This is where the concept of threshold regain permeability measurements has been extensively investigated in this research work.
Threshold permeability measurements consist of measuring the effective permeability of the sample to gas at gradually increasing drawdown gradients, starting at infinitesimal gradient values to simulate either extensive invasion (where the pressure gradient will be 'smeared' over a large portion of the invaded zone), very low reservoir pressure values or a combination of both. Generally, the maximum differential pressure value used in this situation would be the current reservoir pressure value (as this is the maximum drawdown gradient expected to be applied across the flushed zone (assuming that at least the length of the plug would be flushed in most cases)).
Some problems are inherent in this technique and must be carefully evaluated before its application. In gas reservoir situations, since gas is generally the non-wetting phase, problems with fines migration and damage to the samples, due to the extreme flow velocities which may be applied at near full drawdown levels (particularly for high perm porous media), are generally not an issue. At extreme flow rates however, a large portion of the differential flow may be expended in turbulent Forchiemer effects in the porous media which may result in reductions in permeability actually observed at high differential drawdowns in gas reservoir applications. This is one reason why it is essential that a set of baseline permeability measurements be conducted on the undamaged sample at the exact same pressure levels as the proposed post test values prior to conducting the phase trap test to observe if reductions in permeability are due to phase trapping effects, or simply due to turbulent flow induced permeability reductions. A typical test profile for a low permeability gas reservoir phase trap test illustrates this phenomena (Fig. 11) .
Scaling the data back to field conditions can be difficult due to non-radial flow, reservoir heterogeneity, etc., but a simple, conservative technique which has proven successful to the author is to approximate uniform invasion in a linear streamline along a radial spoke of invasion from the wellbore. The effective drawdown gradient for initial fluid mobilization can be roughly approximated in this situation by calculating the mobilization threshold gradient for the lab sample (based on the measured lab threshold pressure of first invaded filtrate mobilization) and then ratioed back to the field expected invasion depth to obtain an approximate indication of the instantaneous gradient required in the reservoir to initiate fluid movement. This, of course, neglects such issues as imbibition, which will tend to disperse and change the fluid patterns in the near wellbore region over time (and will be commented on later in the paper), and non-linear radially induced pressure distributions, etc., but provides a simple and easily usable approximation for basic field design purposes.
An example would be a test in which a 700 kPa drawdown pressure was required to obtain any gas intrusion on a low permeability sample at total of 6 cm in length. Using a simple ratio formula of threshold gradient pressure/sample length (700 kPa/0.06 m), indicates a uniform field drawdown gradient of 11,666 kPa would be required for every meter of linear invasion depth.
This would suggest that, if the reservoir pressure were only 5000 kPa and we have 1 m of invasion depth, little or no gas flow would be apparent as the threshold mobilization pressure is not exceeded (as mentioned, this is an over simplification of the more complex radial and capillary geometry under consideration, but provides a conservative approach to the problem which is easily applicable). Therefore, threshold field mobilization pressure can be conservatively estimated from the lab phase trapping data using the relationship: Using the above rationale, it is easy to see how the results of phase trapping tests in the lab may often be misinterpreted. In the above example, a relatively small threshold pressure of 700 kPa, with a reservoir pressure of 5000 kPa would lead one to believe that entrained filtrate should be easily and rapidly mobilized. However, scaling of the data to account for dispersion of the pressure gradient indicates that if invasion depth is more than 5000 = (700/0.06) * Di, or Di = 42.8 cm, difficultly in mobilizing the filtrate can be expected.
It must also be recognized that, thus far in the discussion, we have been commenting only on the effect of threshold mobilization pressure. In most cases, the effective permeability to gas or oil at the threshold mobilization pressure is very small (as the gas or oil saturation has just achieved a mobile value and there is considerable trapped water still in place occluding large portions of the flow system). In most cases, as will be illustrated, a pressure much higher than the threshold pressure must be applied to obtain reasonable regain permeability values. The preceding methodology can also be used to approximate the degree of applied drawdown gradient which may be required in a certain set of circumstances to obtain a reasonable degree of cleanup in a water trapping situation.
The Incremental Phase Trap Test.
The phase trap test procedures described to date are simplified tests designed primarily to illustrate the overall effect of an increase in water saturation in the near wellbore region. The purpose of an incremental phase trapping experiment is to physically map out the specific configuration of the water-gas relative permeability curve for a gas reservoir which may be susceptible to phase trapping effects. This allows for both modeling of the damage effects associated with the introduction of a water-based fluid into the reservoir as well as the cleanup and flow effects associated with a subsequent reduction in the water saturation.
The basic initialization procedure for an incremental phase trap test is identical to that used for a basic phase trap test. Once the initial water saturation has been introduced and permeability to gas at a number of drawdown pressures at the initial water saturation at reservoir conditions has been established, the procedure then differs. Rather than flooding the sample directly with several pore volumes of the water-based test fluid, the water saturation is only increased a small and fixed amount (approx. 1-5%). This is done by dismantling the sample (in a constant humidity environment) and using the same saturation institution and dispersion procedure described previously, adding a known additional mass of water and dispersing it throughout the pore system in the sample to obtain the new desired saturation level. NMR analysis can once again be used to verify that the saturation is uniformly dispersed at this point in the test.
The sample is then remounted and the permeability to gas at the new and slightly higher water saturation is measured. Sufficient time must be allowed for equilibration of the added water saturation with the pore system (allowing for imbibition effects to draw the water saturation into the micro porosity). Based on experience, this generally requires 1 to 6 days of equilibration time per step. This data can be plotted (permeability vs fixed water saturation) to start to generate the gas phase relative permeability curve (Fig. 12) . Due to the fact that the water saturation remains immobile at this point (as we are still in the subirreducible saturation region), we can see that the water phase relative permeability remains at zero, even though the gas phase permeability is reduced by the increasing trapped water saturation value.
This process is repeated in a stepwise fashion, increasing the trapped water saturation value in small increments while continuing to measure the effective gas permeability value until the water saturation is increased to the point where the critical "mobile" water saturation is obtained (as evidenced by production of free water from the sample during the flow phase and a reduction in the gravimetrically fixed water saturation mass of the sample on a post-flow basis). This process is illustrated pictorially as Fig. 13 .
Once this point in the test program has been reached, a conventional water saturation increasing steady or unsteady state relative permeability experiment can be conducted to map the configuration of the water phase relative permeability curve to the remaining portion of the gas phase relative permeability curve in the mobile water saturation region. The sample will then be at the maximum water saturation governed by the value of the trapped gas saturation of the porous media.
If desired, a series of threshold regain permeability measurements can also be conducted, and the drainage portion of the gas phase relative permeability curve can be mapped out, including the value of the "trapped" or irreducible water saturation as a function of drawdown pressure to compare with the previously determined imbibition relative permeability curves. This complete process is illustrated in Fig. 14 .Examples of typical incremental phase trapping tests are provided in Tables 1 to 4 .
Spontaneous Imbibition Experiments (Underbalanced and Overbalanced Drilling Operations).
Considerable discussion has been devoted to the concept of the driving force created when a reservoir is at a subirreducible saturation level. This phenomena results in stored "potential capillary energy", not unlike potential energy in a normal thermodynamic environment. The energy potential created by the dehydration / compaction / wettability alteration process which has resulted in the low initial water saturation in a given reservoir condition can be expended in certain situations as capillary suction if water-based fluids are exposed to the formation, even in an underbalanced pressure environment where the reservoir pressure may be greater than the pressure in the circulating water based media in the wellbore (a common occurrence for an underbalanced drilling operation). This portion of this work will illustrate the experimental protocols which were developed to investigate the effects of countercurrent imbibition on the permeability of gas reservoirs during both overbalanced and underbalanced drilling operations.
Figs. 15 and 16 provide an illustration of the pressure tapped core assemblies which were used to conduct the countercurrent imbibition experiments.
The objective of the initial series of tests was to develop a test protocol where the effects of countercurrent imbibition could be demonstrated, and then refine this procedure for the easy evaluation on a more conventional test basis. The two pressure tapped berea sandstone cores illustrated in Figures 15 and 16 were used to demonstrate the time and pressure dependant nature of the countercurrent imbibition process. Fig.  17 illustrates the experimental apparatus which was constructed to conduct this work.
This equipment configuration has been designed to investigate imbibition effects for a gas reservoir application during underbalanced and overbalanced applications.
A typical test procedure for an experiment of this type is: 1. Select desired formation test sample, institute proper initial water saturation conditions, restore wettability (oil reservoir). 2. Mount sample in the test cell. Either a vertical or horizontal sample orientation can be used. Vertical orientation was used in this set of experiments to provide the maximum degree of opposition to imbibition effects to eliminate any possibility of gravity drainage motivated saturation increases in the test sample. 3. Apply net overburden pressure, heat sample to reservoir temperature and apply reservoir pore pressure. 4. Using humidified gas), determine a baseline permeability of the sample at the initial water saturation condition and several different drawdown pressure levels. For pressure tapped cores, determine the sectional permeabilities of each individual segment of the long core stack. 5. Set the differential flow pressure to gas or oil to approximate the desired level of underbalanced flow pressure gradient. Always commence at the highest (maximum) level of underbalance gradient desired to be evaluated for a given test sequence. Measure stabilized permeability to gas or oil through the test sample. 6. Commence circulation of the water-based filtrate past the test (bottom in this case) face of the core material. For gas energized drilling operations, a known volume of gas can also be entrained in the flowing filtrate stream to simulate a nitrified or foamed drilling operation. Although this fluid contacts the core face, the flow pressure gradient still remains out of the core at the preset level and gas flows through the core sample in an identical fashion to that which would be observed in an underbalanced drilling application in the reservoir. 7. Continue circulation at this set of conditions until stabilized flow rates and permeability profiles have been obtained in all sections of the test core. For long test cores, this may require several hours/days at each pressure point for final stabilization to occur. Any permeability reductions observed under this set of operating conditions can be associated with relative permeability effects associated with the imbibition of a water saturation into the test core sample against the underbalance pressure gradient. An underbalanced simulation test of this type is attractive since flow is continually occurring through the core sample during the test period, it allows continual evaluation of the permeability in the sample at all times during the fluid exposure period. 8. Investigate the effect of degrading (lowering) the amount of underbalance pressure and how this will influence countercurrent imbibition effects. Reducing the level of the underbalance pressure condition will generally increase the potential for countercurrent imbibition as less flowing pressure gradient is present to counteract the capillary imbibition force. This process is done by lowering the total delta P of the flowing gas gradient across the core sample to a lower level to simulate the lower underbalance pressure condition. A similar effect can also be accomplished by increasing the backpressure of the filtrate/gas mixture circulating by the test face of the core sample (which is actually what happens in the reservoir), but the overall net differential pressure between the two values is the essential controlling value, and it is generally procedurally easier and less disruptive to the test system to simply adjust the applied pressure differential. Once the new, lower differential has been set, step 7 is repeated to note if any additional imbibition effects are present causing additional reductions in permeability. 9. Depending on the magnitude of the underbalance pressure level, step 8 can be repeated at several successively decreasing underbalance pressure levels until a balanced or near balanced flow condition is obtained. 10.At this point in the test, several options are available. In some situations, we may want to terminate filtrate flow and run a series of threshold pressure regains to investigate if any of the imbibed filtrate can be mobilized at field drawdown gradient conditions and how much permanent damage we might expect from an imbibition perspective. 11.Another step often of interest is to investigate the increased severity of damage which may occur if the underbalanced pressure condition is compromised during the drilling operation (discussed in detail later) and, in addition to imbibition effects, water-based filtrate is actually displaced into the reservoir matrix. This is generally accomplished by applying an overbalance pressure to the filtrate (increasing its pressure level above that of the core). The period of the overbalance exposure depends on field conditions, but a common practice would be to apply an overbalance pressure pulse of a magnitude identical to that which would be present in the well if a full column of non-energized drilling fluid were present in the drill string and return annular for a period of 5 to20 minutes. Leakoff of drilling fluid filtrate would be tracked closely during this procedure and this would be followed by a series of threshold pressure regain permeabilities to evaluate the effect of the overbalanced pulse on the sample permeability. 12.In some cases, step 11 may be repeated multiple times, to simulate multiple overbalanced pressure incidents, to note the overall composite effect on formation permeability in the near wellbore region. Examples of two countercurrent imbibition tests are illustrated in Tables 5 and 6 .
Hydrocarbon Phase Trapping Tests: Retrograde Condensate Dropout Experiments
There are a number of ways in which hydrocarbon liquids can be introduced into the reservoir matrix in the region surrounding the wellbore or fracture face. Introduction of oilbased drilling or completion fluid filtrates and the evaluation of the damage associated with this process has been discussed in the preceding sections. In some situations, hydrocarbon liquids can be deposited in-situ as a by-product of the gas production process in rich gas or retrograde condensate reservoirs.
In many situations, the operator of a rich gas condensate reservoir is interested in: 1. What is the maximum expected liquid dropout which will occur from the reservoir gas over the range of pressures expected to be encountered in the depletion operation? 2. What is the value of the critical condensate saturation (condensate liquid saturation which must be built-up in the porous media to allow the condensate to flow as a distinct, mobile phase? 3. How much condensate liquid is expected to be 'lost' due to trapping effects in a normal depletion operation? 4. How will the accumulating liquid saturation affect the relative permeability to gas in the region of accumulation in the reservoir and how adversely will this affect drawdown and ultimate gas production rates and recoverable reserves from the formation under consideration? 5. What techniques may be considered to reduce or eliminate the impact of condensate dropout on reservoir performance? The value of the maximum expected liquid dropout is generally derived from a constant composition expansion study conducted on the reservoir fluid. A typical liquid dropout curve for a rich gas condensate system is illustrated as Fig. 18 .
A full reservoir condition test, using actual bottomhole or recombined retrograde condensate gas, has been developed to determine the value of the critical condensate saturation and the configuration of the gas phase relative permeability curve in the region of accreting condensate saturation. An experimental schematic of the reservoir condition critical condensate apparatus appears as Fig. 19 .
The equipment consists of a biaxial or uniaxial core cell in which a sample (generally a composite stack 20-40 cm in length to increase test pore volume) is mounted for reservoir temperature, pressure and overburden condition testing. Differential pressure across the system is measured using a Yokagawa digital strain gauge transducer system capable of operation at pressures to 70,000 kPa with an accuracy of 0.1 kPa (differential basis). Backpressure is controlled using a precision regulating backpressure valve. Fluid volumes at lab conditions are monitored using a multiphase flash separator connected to a digital wet test meter. An important portion of the critical condensate saturation test is the ability to visually observe the point of the first free condensate production. This is accomplished using a high pressure (70,000 kPa) optical (visual) cell system connected using microbore (low dead volume) tubing to the production end of the test sample. A fine dip tube extends into the visual portion of the cell which allows the operator to observe the first drop of liquid condensate production from the core sample as the pressure is reduced and the critical condensate saturation is achieved. The dip tube end is imaged in high magnification using a digital video imaging system which provides a permanent record of the test production results.
Fluid displacement is effected using pulsation-free positive displacement pumps manufactured by the Ruska Instrument Corporation. Retrograde gas is recombined for use or bottom hole samples are used. A piston displacement cylinder (or, in some cases where proper containment and handling procedures are available, a mercury displacement system) is used to store the retrograde gas to avoid any solubility effects associated with CO 2 or H 2 S dissolution into drive fluids such as water in the displacement system. The entire apparatus is encased in a temperature controlled oven so that proper bottomhole conditions of temperature can be duplicated. A photograph of the complete test apparatus appears as Fig. 20 .
The test procedure for the critical condensate saturation test is as follows: 1. Select core sample for testing (to increase test accuracy, a maximum pore volume is desired, therefore, generally a composite stack of plugs 20-40 cm in length is used). This must be balanced against the permeability of the plugs. In low permeability reservoir rock, long stacks may result in high differential pressure gradients during the permeability measurement phases of the test program. The length and rate conditions of the stack should be designed so that the differential pressure during the flow phases of the test does not exceed 70 kPa (as high pressure drops may start to substantively change the phase condition of the reservoir fluids associated with the test program). 2. Appropriate restoration procedures and saturation institution procedures should be conducted on the core sample prior to mounting in the test apparatus. Mount sample for testing in the equipment, apply net overburden pressure and use pure methane gas to pressurize pore system to a pressure well above (7000 kPa or more) the known dew point pressure of the gas in the reservoir to be tested. Increase temperature to the reservoir value. Conduct equation of state evaluations of all combinations of mixtures of pure methane and the retrograde gas at the pressure (7000 kPa) above the dew point pressure to ensure that a single phase condition will be maintained, adjust initial operating pressure if required to ensure that a single phase condition is maintained when initially saturating the core with the retrograde gas. 3. Using a low rate displacement, flood the pressurized core sample with retrograde gas until effluent composition and GOR indicate the sample has been totally saturated with retrograde gas. Shut-in for 48 hours to allow any dispersion effects and then flood with an additional 2 pore volumes of retrograde gas to verify total and uniform saturation with the retrograde gas mixture. 4. A complete constant composition expansion and constant volume depletion study should have been conducted on the reservoir fluid to determine the volume of retrograde liquid accumulation from the gas as a function of reducing pressure. This procedure is only directly effective if the critical condensate saturation of the core material has a value less than the maximum liquid accumulation volume. If this is not the case (e.g. a fairly lean retrograde gas which may have only 1-2% volume dropout character), it may be necessary to enrich the gas to increase the liquid dropout yield to ensure that sufficient liquid volume for accumulation will be present. Care must be taken that the enrichment process does not substantively alter the interfacial tension character of the system (this is generally verified by conducting IFT measurements on both the lean and enriched gas system using a high pressure drop pendant interfacial tensiometer). 5. A baseline permeability to retrograde gas at the initial water saturation at reservoir temperature and a pressure above the dew point pressure of the gas is then conducted at several rates. This provides the baseline reference permeability value at initial reservoir conditions prior to any condensate dropout and trapping in the reservoir. This is the terminal (endpoint) gas permeability value on the gas phase relative permeability curve at zero initial condensate saturation (Fig.  21) . 6. Once this baseline permeability has been determined, the critical condensate saturation test procedure commences. Pressure is decreased in the entire system to a value slightly under the dew point pressure. Generally, the PVT data is used to select this pressure so that a small amount of retrograde liquid (1-2% by volume) will accumulate. Since the pressure is dropped uniformly everywhere in the system, this liquid accumulates through the pore space in the core sample (which was saturated with the pressurized gas prior to depletion), as well as in the source gas cylinder (where it will fall to the base of the system) and in the visual cell system. This simultaneously generates a perfect equilibrium gas for conducting subsequent permeability measurements as we do not desire any mass transfer to occur between the gas phase and the accumulated and trapped liquid phase. 7. Using the equilibrium gas in the source cylinder and keeping the pressure constant (by forcing no more than a 70 kPa pressure differential across the test stack), displace equilibrium gas at several rates through the core stack and measure permeability. During this procedure, use the digital imaging system to observe if any significant free condensate production is observed from the core sample (series of streaming drops). A single tiny drop is often observed immediately upon commencing injection, due to retrograde liquid accumulation in the short length of production tubing between the production end of the core sample and the visual cell. If microbore low dead volume tubing is properly used (3.17 mm tubing with a 0.06 mm bore), the dead volume of a typical 12 cm length is less than 0.0005 cc and, therefore, is negligible compared to a core pore volume in the 50-100 cc range. The critical (mobile) condensate saturation is generally indicated by a steady series of drops during the first portion of the injection procedure. 8. Steps 6 and 7 are then successively repeated, dropping the pressure stepwise in increments to build increasing values of the accumulated condensate saturation at each lower pressure level until "mobile" condensate production is observed, indicating that the critical condensate saturation has been achieved. At each pressure point up to this level, the permeability to equilibrium gas can be determined which will allow the accurate determination of the configuration of the gas phase relative permeability curve in the region of increasing condensate saturation and the degree of expected permeability impairment in the retrograde region surrounding the wellbore. This process is illustrated in Fig.  22 .
Conclusions
Lab protocols have been described which allow the accurate evaluation of the effects of water and hydrocarbon based phase trapping using representative core material in low permeability gas-bearing porous media. Gas Permeability @ 0% Water Saturation Gas Permeability @ 10% Water Saturation Gas Permeability @ 20% Water Saturation Gas Permeability @ 30% Water Saturation Gas Permeability @ 40% Water Saturation Gas Permeability @ 50% Water Saturation Gas Permeability @ 60% Water Saturation Gas Permeability @ 70% Water Saturation 
